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1. INTRODUCTION

1.1 Definitions and Purposes

This study presents Bonneville Power Administration’s (BPA) Marginal Cost Analysis (MCA)
for its 2002 wholesale power rate case. The MCA estimates the variable cost of the marginal
resource in a competitively priced energy market. In this study the terms ‘marginal cost’ and
‘market clearing price’ refer to the variable cost of the marginal resource for energy traded at the
Mid-Columbia hub. When the monetary values are denominated in real dollars, real dollars are

defined as 1997 inflation adjusted dollars.

In competitive market pricing, the marginal cost of production is equivalent to the market
clearing price. Market clearing prices are important factors in determining BPA’s bulk power
revenues. Therefore, the marginal cost estimates inform BPA’s bulk power revenues in the rate
case. The Risk Analysis Study, WP-02-FS-BPA-03, provides an explanation for the use of the

MCA in the bulk power revenue forecast.

The MCA is also used to inform the seasonal and daily pattern for BPA’s rates. Rates patterned
after market clearing prices send a signal to consumers about the marginal cost BPA sees in the
energy market and will encourage economic efficiency. The Wholesale Power Rate

Development Study, WP-02-FS-BPA-05, provides an explanation of how the MCA informs the

seasonal and daily pattern of rates.

1.2 Marginal Cost Analysis Framework
This study assumes a competitive pricing structure as the fundamental mechanism underlying the
determination of wholesale electric energy prices during the term of this analysis. Two

fundamental inferences for energy pricing follow from the economic theory of market pricing.

WP-02-FS-BPA-04
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First, the price in any hour will approximate the variable cost of the marginal generating
resource. Second, the long-term average price will gravitate toward the full cost of a new

resource.

The inference on hourly prices follows directly from economic market pricing theory. Economic
theory concludes that a firm will continue to produce additional goods or services as long as the
revenue from the sale of those units covers the marginal cost. A competitive market will
produce up to the quantity where the amount consumers are willing to pay for marginal
consumption is equal to the marginal cost of production. Therefore, the market clearing price is
equal to the cost to produce the marginal unit for consumption. For the electricity market, the

market clearing price translates to the variable cost from the marginal electric generator.

In the long-term, when the amount of capital is not fixed, the average price will move toward the
full cost of a new resource. When prices are high enough to justify additional investment, the
average investment cost will be lower than the average price. Therefore, new resources will
bring down the price. When the long-term average price outlook is lower than the average cost
of a new resource, new resources will not be built. In this case, demand growth will move prices

up the supply curve until new resource investment is profitable.

Since long-term prices will gravitate toward the cost of new resources, the assumptions
concerning the cost of a new resource will have an important impact on the long-term price
forecast. It is assumed that the bulk of new electric power generation will be combined-cycle
combustion turbines (CCCT). Another important assumption is the load forecast. This
assumption will affect how quickly prices move up the supply curve and reach the point where

investment in new resources is profitable. The assumptions that are especially important to the

WP-02-FS-BPA-04
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level of long-term costs (costs of a CCCT and the load forecast) are detailed in the

“Assumptions” section of this study.

Economic theory also concludes that until prices reach the level where new resource investment
is profitable, excess capacity will decline. A decline in excess capacity will tend to exacerbate
price increases in those periods where capacity has relatively less surplus; the peak pricing
months and heavy load hour (HLH) periods. The average levels of monthly prices and the HLH

and light load hour (LLH) prices for each month are given in the “Results” section of this study.

2. METHODOLOGY

2.1 Overview

The principal tool used in this analysis is an electric energy market model called AURORA.
AURORA is owned and licensed by EPIS, Incorporated. Production costing is a subset of
AURORA’s functions. Production cost models are widely used in the electric power industry.

Production cost models follow a general structure and AURORA is consistent with this structure.

To describe AURORA’s methodology it is helpful to distinguish between two main aspects of
modeling the electric energy market: the short-term determination of the hourly market clearing

price and the long-term optimization of the resource portfolio.

2.2 Hourly Price Determination

The hourly market clearing price is based upon a fixed set of resources dispatched in least cost
order to meet demand. The hourly price is set equal to the variable cost of the marginal resource.
AURORA sets the market clearing price using assumptions on demand levels (load) and supply

costs. The demand forecast implicitly includes the effect of price elasticity over time. The

WP-02-FS-BPA-04
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supply side is defined by the cost and operating characteristics of individual electric generating

plants, including resource capacity, heat rate, and fuel price.

AURORA places two restrictions on the hourly operation of generating plants. First, AURORA
simulates the “must run’ status of certain units. Second, AURORA recognizes that costs
associated with ramping generation levels up and down will make the economic dispatch of
plants on an hourly basis impractical. To account for this, AURORA commits generating plants
to operate at weekly intervals. AURORA uses a weekly price forecast to determine plant

profitability and to model the commitment decision.

AURORA recognizes the effect that transmission capacity and prices have on the ability to move
generation output between areas. AURORA recognizes 12 areas within the Western Systems
Coordinating Council (WSCC), largely defined by state boundaries, with a few exceptions.
California is split into northern and southern areas (N. Cal and S. Cal); Oregon and Washington

(OR/WA); and British Columbia and Alberta (Canada) are each combined into single areas.

2.3 Long-Term Resource Optimization

The long-term resource optimization feature within AURORA allows generating resources to be
added or retired based on economic profitability. Economic profitability is measured as the net
present value of revenue minus the net present value of costs. A potential new resource that is
economically profitable will be added to the resource data base. An existing resource that is not

economically profitable will be retired from the resource data base.

In reality, the market clearing price (hence the profitability of a resource) and the resource
portfolio are interdependent. The market clearing price will affect the revenues any particular

resource will receive, and consequently which resources are added and retired. In parallel,

WP-02-FS-BPA-04
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changes in the resource portfolio will change the supply cost structure and will therefore, affect

the market clearing price. AURORA uses an iterative process to address this interdependency.

AURORA’s iterative process uses a preliminary price forecast to evaluate existing resources and
potential new resources in terms of the economic profitability. If an existing resource is not
profitable, it becomes a candidate for retirement. Alternatively, if a potential new resource is
economically profitable, it is a candidate to be added to the resource portfolio. In the first step of
the iterative process, a small set of new resources is drawn from those with the greatest
profitability and added to the resource base. Similarly, a small set of the most unprofitable
existing resources is retired. This modified resource portfolio is used in the next step in the
iterative process to derive a revised market clearing price forecast. The modified price will then
drive a new iteration of resource changes. AURORA will continue the iterative solution of the
resources portfolio and the market clearing price until the difference in price between the last

two iterations reaches a minimum; the iterative process converges to a stable solution.

3. ASSUMPTIONS

3.1 Overview

There are three primary assumptions that are relevant to the MCA: natural gas prices, the
investment costs of a CCCT, and the load forecast. Natural gas prices and the investment cost of
a CCCT will determine the full cost of a CCCT, which is expected to provide the bulk of
economic new resource. Long-term prices will gravitate towards this cost. The third
assumption, the load forecast, determines how quickly prices move to the cost of this new
resources. Consequently, the assumptions on the load forecast, natural gas prices and CCCT

investment costs are described in detail first.

WP-02-FS-BPA-04
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A number of other relevant assumptions are discussed in the following sections. Remaining data
and assumptions that are required to run AURORA are listed in Marginal Cost Analysis Study
Documentation, WP-02-FS-BPA-04A and WP-02-FS-BPA-04B.

3.2 Load Forecast

The load forecast consists of four parts: the base year load forecast; annual average growth rate;
monthly load shape factors; and hourly load shape factors. The base year load forecast
determines the starting level for the loads. The annual average growth rate increases the loads
over time. The monthly load shape factors shape the annual loads into monthly loads. The

hourly load shape factors then shape the monthly loads into hourly loads.

3.2.1 Base Year Load Forecast. BPA used the 1998 WSCC load forecast as the base year
load forecast as input for AURORA. The WSCC forecasts loads for four regions: the Northwest
Power Pool (NWPP) Area which is divided into United States (U.S.) and Canadian systems;

the California - Mexican Power Area which is divided into U.S. and Mexican systems; the
Rocky Mountain Power Area; and the Arizona - New Mexico - southern Nevada Power Area.

Figure 1 represents the areas:

Figure 1: 1998 WSCC Regions

WP-02-FS-BPA-04
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Where: |

Northwest Power Pool Area
I = Rocky Mountain Power Area
I = Arizona - New Mexico - southern Nevada Power Area

IV = California - Mexican Power Area

The four WSCC regions were converted into the 12 AURORA areas for BPA’s forecasts.
The methodology used to convert the WSCC regional loads can be seen in the following

example.

With the NWPP Area - U.S. system, the loads in the original AURORA data base for OR/WA,
Idaho (ID), Montana (MT), and Utah (UT) were summed to get an aggregate total load. The
loads for OR/WA, ID, MT, and UT were each divided by the aggregate total load to develop
percentages. The percentages were then applied to the aggregate WSCC regional load forecast
for the NWPP Area - U.S. system to get a 1998 load forecast for AURORA areas OR/WA, ID,
MT, and UT. This procedure was then repeated for each of the WSCC regions to derive each

AURORA area 1998 base load forecast.

3.2.2 Annual Average Growth Rate. BPA used an average annual growth rate of

1.5 percent, obtained from the Northwest Power Planning Council (NWPPC) Cost and Revenue
(C&R) Analysis. This average annual growth rate is consistent with historical load growth
figures. The WSCC also forecasts annual average growth rates. BPA used these WSCC
regional growth rates to reflect its prediction that loads will grow at different rates in the
different WSCC regions. BPA scaled the 1.5 percent average annual growth rate into the
different WSCC regions. Table 1 shows the WSCC annual growth rates and the scaled growth

rates used in the MCA:

WP-02-FS-BPA-04
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Because the starting year for AURORA is 1997, BPA reduced the 1998 base load forecast by the

average annual growth rate to obtain a 1997 starting year forecast for input into AURORA.

BPA applied the annual average growth rate to the base load forecast to determine the load

forecast over time. The following graph illustrates historical WSCC loads and the resulting BPA

load forecast:

Table 1: Load Forecast Annual Average Growth Rate

Area WSCC AAGR Scaled AAGR
NWPA 2.00 1.52
CA 1.40 1.06
AZ/NM/NV 2.40 1.82
RMPA 2.30 1.74
CANADA 1.80 1.36
WSCC 1.98 1.50

Graph 1: Historical and Forecasted WSCC Loads
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3.2.3 Monthly Load Shaping Factors. BPA developed monthly load shaping factors for
converting the annual load forecast into a monthly load forecast. BPA used monthly
utility-specific load data for the years 1993 through 1996 to calculate monthly shaping factors for
each AURORA area. The historical monthly loads by area were divided by the annual average
load in that area to develop a monthly shape factor. AURORA multiplies the monthly factor by
the annual load forecast to derive the monthly load forecast. The following graph represents the

monthly load factors for the entire WSCC.:

Graph 2: Indexed Monthly Load Shapes
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3.24 Hourly Load Shaping Factors. BPA developed hourly load shaping factors for
converting the monthly load forecast into an hourly load forecast. The hourly load shapes were
derived from historical hourly load data for 1993 through 1997. The hourly load shape factors
were calculated by dividing every hourly load by the average monthly load for each of the years

1993 through 1997. This data is aligned so that the first hour of each of the first Mondays of
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each of the years coincides. Once this was accomplished, each hourly factor was averaged

across all the years.

3.3 Natural Gas Prices

3.3.1 Methodological Overview. The natural gas price forecast is based on a demand and
supply analysis. The analysis begins with a review of historical demand, supply, and price. This

historical review sets the context for underlying patterns in the natural gas price forecast.

The first methodological step of the gas price forecast is to develop a price forecast for

Henry Hub, Louisiana (Henry). Henry is the primary pricing point and touchstone for natural
gas pricing in North America. Henry is a very common starting point for natural gas price
forecasts of other organizations. Henry is also the site where natural gas futures market trading

has the greatest volume.

The next several methodological steps translate the Henry price to the variable gas prices seen by
electric generators in each AURORA area. The AURORA area gas prices are driven by prices in
the western natural gas producing basins. To begin this translation to AURORA area prices, a
correlation analysis is used to match up the primary western producing basins to the AURORA

areas.

The next step estimates a price forecast for the western producing basins. This forecast is
developed by estimating a regional price differential (basis) between the producing basin and
Henry. The basis forecast is developed from supply and demand factors specific to the
producing basins, especially changes in the natural gas transportation system that will affect the

basis forecast.
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Finally, price differences between the producing basins and the AURORA areas are added to the
producing basin prices to yield the AURORA area prices. A fixed gas price estimate is
subtracted from this “total’ price forecast to give the variable gas cost. The fixed gas cost is

added into the operation and maintenance (O&M) cost of gas-fired generators.

3.3.2 Historical Prices. Significant industry restructuring in the last several years has
fundamentally altered the pricing structure of wholesale natural gas. Two of the most significant
changes, the Natural Gas Wellhead Decontrol Act (Decontrol Act) and Federal Energy
Regulatory Commission (FERC) order 636, have been implemented in the last ten years. An
Energy Information Administration (EIA) study stated®, “[T]he ‘Decontrol Act’ of 1989

(Public Law 101-60) established a schedule to remove price controls on wellhead sales of natural
gas. More than 40 years of wellhead price controls on interstate supplies ended on January 1,
1993.” The EIA study further stated, “[P]rice ceilings established for different categories of
natural gas under the Natural Gas Policy Act had created severe distortions in the gas market and
significantly influenced producers’ drilling decisions.” In addition, in 1992 FERC Order 636
required pipeline companies to provide open-access transportation and storage and to separate
sales from transportation service completely. The prices and underlying pricing structure prior to

these restructuring actions are not directly comparable to today’s situation.

Since restructuring has been implemented, there has been a modest increasing trend in gas prices.
Over the last three years, prices have reached some of their highest monthly values. The
following graph shows the recent trend in Henry natural gas prices. In addition to the monthly
prices, a 12-month average price is shown on the graph. This illustrates the cyclical pattern in
gas prices. A linear trend was estimated from the 12-month average data. This illustrates the

overall growth in gas prices.

1 Energy Policy Act Transportation Study: Interim Report on Natural Gas Flows and Rates.
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Graph 3: Henry Hub Natural Gas Prices
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3.3.3 Historical Demand and Supply. Natural gas consumption grew rapidly from the

mid-1980s to the mid-1990s. From 1986 to 1996, the compound annual growth rate in
U.S. natural gas consumption was 3 percent. In 1996, consumption reached nearly 22 trillion
cubic feet (tcf), a level only slightly below the record set in 1972. From 1996 to 1998,
consumption declined slightly. For 1998, U.S. consumption was at 21 tcf. In forecasting, it is
important to note that the natural gas industry has no experience in producing levels of

consumption much higher than those that have occurred in the last few several years.

Supply has been strained to keep up with these high demand levels. While measures of natural
gas productive capacity such as the rig count and well completions have grown, measures of
natural gas productivity have decreased. The natural gas rig count reached a record high in 1997.
Also in 1997, the number of wells completed reached the highest level since 1985. However,
supply side weakness can be seen in measures of productivity. The amount of production per rig

declined by 30 percent from 1988 to 1998. The amount of production per well completed has
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also declined substantially during this period. Production decline rates for natural gas wells, a

measure of how quickly a well is depleted, rose from 14 percent in 1990 to 23 percent in 1997.

In summary, the natural gas industry at the beginning of the forecast period is characterized by
demand at near record levels, declining productivity measures in supply and upward pressure on
prices. Historical patterns of consumption and productivity, as measured by the ratio of

production per rig, are shown in the following graphs.

Graph 4: U.S. Natural Gas Consumption
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Natural Gas Week. April 26, 1999.
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Graph 5: U.S. Natural Gas Production Per Rig
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3.34 Henry Hub Price Forecast. The long-term price forecast for Henry is based on a

forecast of strong demand growth over the next several years and supply side pressure moderated
by technological improvements that reduce production cost. The balance of demand and supply
forces will lead to a modest increase in real gas prices. In the short-term, a cyclical supply

tightening will lead to prices rising relatively faster.

The strong growth in demand is driven by expectations that natural gas-fired generation will
provide the bulk of new electric generating supply. For power generation, natural gas has
several advantages over other fuels. Natural gas generation plants are smaller in scale than
typical coal, nuclear or hydro facilities. Lower capital cost and the ability to site generation near
load centers are advantages for natural gas in a deregulated market. Natural gas is viewed as
relatively environmentally benign, especially in comparison to coal-fired generation. Many

power developers view natural gas as the most cost-effective fuel for new generation, even after
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accounting for future price expectations. This is reflected in the fact that the large majority of

planned new generation is natural gas-fired generation.

The supply outlook is determined by the interplay of the conflicting forces of resource depletion
and technological improvement. Further increases in production will be met only by
increasingly costly sites. There are new areas of potential supply, most notably the deepwater
Gulf of Mexico. These resources will be more costly to bring into production although

technological improvements will help reduce upward cost pressures.

On the demand-side, the forecast predicts robust growth in consumption. On the supply side,
there will be pressures to replace production from existing fields and to meet demand growth.
Therefore, prices are forecast to increase in real dollars over the forecast time horizon. In the
short-term, the current downturn in rigs and other production measures will lead to a short-term

tightening of supply and a relatively faster growth in prices.

Table 2: Henry Hub Natural Gas Price Forecast (Real $/MMBtu)

Year | 1999 2000 2001 2002 2003 2004 2005 2006 2007 2008 2009 2010
Price 11.86 2.10 2.15 2.19 2.23 2.27 2.30 2.33 2.36 2.38 2.40 2.42

3.35 Western Natural Gas Pricing Patterns. Natural gas supply and demand balances
are more surplus in western North America than in the east. Thus, western natural gas prices are
generally lower than those at Henry. The following map shows the main production basins and
pipelines in western North America. The graphs seen on this map show historical prices at these

basins and the basis differential to Henry.
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Figure 2: Western Natural Gas System
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AURORA requires a gas price forecast for each AURORA area to estimate the cost of gas-fired
generation in each area. Western production basins were matched to each of the AURORA areas

using correlation analysis. Correlation coefficients between production basin prices and prices in
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several consuming areas proximate to AURORA areas were computed from historical data.

AURORA areas were matched to the production basin with the highest correlation coefficient.

Sumas prices, representing the western Canada production basin, were used for the AURORA
areas of OR/WA, N. Cal, Canada, MT, and Wyoming (WY). Ignacio prices, representing the
San Juan production basin, were used for the AURORA areas of S. Cal, Nevada (NV), UT,
Colorado (CO), Arizona (AZ), and New Mexico (NM).

3.3.6 Western Production Basin Forecasts. Sumas and Ignacio price forecasts were
estimated by subtracting a basis differential from Henry. The basis will be affected by the
supply and demand within areas and by available pipeline capacity between areas. The basis
forecast is drawn from historical data and projected future pipeline capacity additions.

From 1995 through 1997 the average Sumas to Henry basis was $1.03/Million British Thermal
Units (MMBtu). In 1998, the basis between Sumas and Henry was $0.43/MMBtu. This basis
decline is due to the Northern Border expansion that recently added about 7 million cubic

feet/day capacity out of western Canada to the U.S. Midwest.

The Sumas to Henry basis is forecast to decline further over the forecast horizon because more
pipeline capacity is expected. The most visible potential expansion is the Alliance project that is
expected to add about 1 billion cubic feet/day of capacity from western Canada to the
U.S. Midwest. This project is expected to come on line in the near future. Alliance’s online date

is not certain and the date and amount of additional capacity can change with time. To account

WP-02-FS-BPA-04
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for these uncertainties, a continuous decline in the basis is forecast over several years rather than

a discreet decline in a particular year that would be associated with a specific online date.

In 1998, the basis between Ignacio and Henry was $0.19/MMBtu. While there may be relatively
small changes in the demand, supply, and transportation situation in the U.S. Southwest, there is
no clear evidence of future significant basis changes. The basis for the San Juan basin is forecast

to remain constant at $0.20/MMBtu.

Table 3: Western Natural Gas Hub Price Forecasts

Western Natural Gas Hub Prices (Real$/MMBtu)
Basis to Henry Price

Year Ignacio Sumas Ignacio Sumas
1999] 0.200 0.400 1.66 1.46
20000 0.200 0.395 1.90 1.70
2001] 0.200 0.390 1.95 1.76
2002 0.200 0.385 1.99 1.81
2003} 0.200 0.380 2.03 1.85
2004} 0.200 0.375 2.07 1.89
2005 0.200 0.370 2.10 1.93
2006] 0.200 0.365 2.13 1.97
2007) 0.200 0.360 2.16 2.00
2008] 0.200 0.355 2.18 2.03
2009] 0.200 0.350 2.20 2.05
20100  0.200 0.350 2.22 2.07
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Graph 6: Historical and Forecast Natural Gas Prices
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3.3.7 AURORA Area Price Forecasts. The AURORA area natural gas price forecasts are

derived by adding an estimate of the price differences between the relevant production basin

(Sumas or Ignacio) and the delivered natural gas cost in each consuming area. These estimates

were derived from historical data. The differences in price between production basins and

consuming areas are forecast to decline slightly over time due to declining real margins for

natural gas transportation.

Area

Table 4: Western Natural Gas Area Price Differentials

Or/Wa

N.Cal S.Ca

Can Id

Mt

Wy

Co

NM

Az

Ut

Nv

Producing Basin to AURORA Area Differntial (Real$/MMBtu)

1999
2000
2001
2002
2003
2004
2005
2006
2007
2008
2009
2010

0.25
0.25
0.24
0.24
0.24
0.24
0.23
0.23
0.23
0.22
0.22
0.22

0.55
0.55
0.54
0.54
0.54
0.54
0.53
0.53
0.53
0.52
0.52
0.52

0.40
0.40
0.39
0.39
0.39
0.39
0.38
0.38
0.38
0.37
0.37
0.37

0.20 0.25
0.20 0.25
0.19 0.24
0.19 0.24
0.19 0.24
0.19 0.24
0.18 0.23
0.18 0.23
0.18 0.23
0.17 0.22
0.17 0.22
0.17 0.22

0.25
0.25
0.24
0.24
0.24
0.24
0.23
0.23
0.23
0.22
0.22
0.22

0.30
0.30
0.29
0.29
0.29
0.29
0.28
0.28
0.28
0.27
0.27
0.27

0.30
0.30
0.29
0.29
0.29
0.29
0.28
0.28
0.28
0.27
0.27
0.27

0.30
0.30
0.29
0.29
0.29
0.29
0.28
0.28
0.28
0.27
0.27
0.27

0.35
0.35
0.34
0.34
0.34
0.34
0.33
0.33
0.33
0.32
0.32
0.32

0.30
0.30
0.29
0.29
0.29
0.29
0.28
0.28
0.28
0.27
0.27
0.27

0.30
0.30
0.29
0.29
0.29
0.29
0.28
0.28
0.28
0.27
0.27
0.27
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The final step in determining the AURORA area gas price forecasts subtracts $0.18/MMBtu
from each AURORA area to account for the fixed cost of gas. The result is a forecast for the
variable cost of natural gas delivered to electric generators in each of the 12 AURORA areas.
The fixed cost of natural gas was added into the fixed cost for gas-fired generation. The monthly
shape of natural gas prices was estimated to incorporate the effects increased electric generation
from natural gas. In addition, new pipeline capacity will cause the monthly pattern of gas prices

in different basins to equilibrate.

Table 5: Western Natural Gas Variable Cost Forecasts

Area Or/Wa N.Cal S.Cal Can Id Mt Wy Co NM Az Ut Nv
Consuming Area Variable Costs (Real$/MMBtu)
1999 153 1.83 188 148 153 153 1.58 1.78 1.78 1.83 1.78 1.78
2000 1.77 2.07 211 1.72 1.77 1.77 1.82 2.01 2.01 2.06 2.01 2.01
2001 182 212 216 1.77 1.82 1.82 1.87 2.06 2.06 2.11 2.06 2.06
2002 1.87 2.17 2.20 1.82 1.87 1.87 1.92 2.10 2.10 2.15 2.10 2.10
2003 191 221 224 1.86 191 191 196 2.14 2.14 2.19 2.14 2.14
2004 195 225 227 190 1.95 1.95 2.00 2.17 2.17 2.22 2.17 2.17
2005 1.99 229 231 1.94 1.99 1.99 2.04 2.21 2.21 2.26 2.21 2.21
2006 2.02 2.32 2.33 1.97 2.02 2.02 2.07 2.23 2.23 2.28 2.23 2.23
2007 2.05 2.35 2.36 2.00 2.05 2.05 2.10 2.26 2.26 2.31 2.26 2.26
2008 2.07 2.37 237 2.02 2.07 2.07 2.12 2.27 2.27 2.32 2.27 2.27
2009 2.09 2.39 239 2.04 2.09 2.09 2.14 2.29 2.29 2.34 2.29 2.29
2010 211 241 241 2.06 2.11 2.11 2.16 2.31 2.31 2.36 2.31 2.31

3.4 Fixed Costs of Combined-Cycle Combustion Turbines
The data for cost and efficiency on potential new resources was drawn from the NWPPC’s study,
Analysis of the BPA’s Potential Future C&R study. The source for several of these assumptions

was the NWPPC’s Fourth Northwest Conservation and Electric Power Plan (Fourth Power Plan).

34.1 Technology. The CCCT powerplant study assumptions are based on 250 megawatt
(MW) class industrial units. The 250 MW class unit is the predominant combined-cycle unit

currently employed in powerplant development.

WP-02-FS-BPA-04
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34.2 Capital Cost. The Clark Public Utilities River Road powerplant provides the starting
point for the capital cost estimates of a new combined-cycle plant. River Road, a 248 MW
General Electric 107FA combined-cycle powerplant, entered service in late 1997. The River
Road construction cost was adjusted to arrive at a representative plant cost for each of the

AURORA areas.

The River Road construction costs were first adjusted by a factor representing the estimated
difference between the development cost of a single-unit combined-cycle powerplant at the
River Road Vancouver site and the average plant development cost for a large group of potential
combined-cycle powerplant sites in the Northwest.> This factor normalizes for site-specific
development costs and captures possible economies at sites capable of accommodating multiple
units. The resulting “average Northwest” development cost was then increased by 2.7 percent to
represent the estimated average degradation of capacity over the life of the plant. The resulting
cost is assumed to be the average cost of developing new combined cycle plants in the OR/WA

area under current market conditions.

However, because of the weak market conditions prevailing for the past several years, the
average Northwest cost is assumed to represent a depressed price. The estimate was increased
by 10 percent to represent a market equilibrium condition thought more typical of the study

period.

Further adjustments for regional price differentials and elevation effects were made to arrive at

combined-cycle capital cost estimates for specific AURORA areas. These adjustments use index

The development of this factor is further described in Appendix F of the Fourth Northwest Conservation and
Electric Power Plan. The factor used here is the difference between the estimated cost of developing a single
unit combined-cycle powerplant at a VVancouver, Washington, site (the location of the actual River Road plant)
and the average estimated cost of developing units at the “Group 1” set of sites identified in the Fourth Plan.
The Group 1 sites are those sites for which construction permits were currently held or being sought at the time
the Fourth Plan was in preparation. Group 1 sites could accommodate from one to four 250 MW class units.
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values where a value of 100 is equivalent to a multiplication factor of 1.00. The regional price
indices shown in Table 6 are assumed to decline linearly from the 1997 values to a uniform
index level of 100 by 2015. Because the output of a gas turbine decreases with the ambient
atmospheric density, AURORA area capital costs were further adjusted for the effect of elevation

on atmospheric density as shown in the third column of Table 6.

Table 6: Resource Area Cost Adjustments

Regional price Elevation-related
Indices (1997, declines to Cost Indices (Gas and wind
Loads & Resources Area Zero by 2015) turbine technologies)
Oregon and Washington 100 102
Northern California 105 102
Southern California 105 102
BC and Alberta 105 110
Idaho 100 110
Montana 100 119
Wyoming 102 119
Colorado 102 119
New Mexico 102 119
Arizona 102 110
Utah 100 119
Nevada 105 110

Commercially available gas turbine powerplants have not approached practical limits of cost or
thermodynamic efficiency. The cost of future plants is expected to decline over time as design,
materials, and manufacturing processes improve. A forecast of the future improvements in the
specific power of gas turbine combined-cycle plants was used as a proxy for cost reductions
through technology improvements.* When other factors are equal, increases in specific power
increase the power available from a machine of given physical size. This will reduce cost,
though not in direct proportion to improvements in specific power because of the probability that

the advanced materials and manufacturing processes needed to increase specific power will be

*  Specific power is the power output of a turbine per unit mass of working fluid passing through the machine

(e.g., KW/Ib).
WP-02-FS-BPA-04
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more expensive than conventional materials and processes. For this study, 30 percent of the

forecast increases in specific power are assumed to translate into capital cost reductions.

3.4.3 Operation and Maintenance Cost. Fixed and variable O&M cost assumptions are
based on those developed for the Fourth Power Plan. The Fourth Power Plan values were
adjusted to 1997 dollars, then deescalated by 2.5 percent per year to reflect the effect of
competitive pressure in the generation sector on plant O&M costs. This deescalator is used by

the EIA in preparing its Annual Energy Outlook.

O&M costs for specific AURORA areas are obtained by adjusting the base values by the

regional price indices. In addition, fixed O&M costs are adjusted by the elevation index.

The fixed O&M costs of future plants are assumed to decline in proportion to the capital cost
technology improvement indices. Furthermore, future fixed and variable O&M costs of both
new and existing plants are assumed to continue to decline at 2.5 percent per year through 2004

in response to the expected effects of an increasingly competitive wholesale power market.

34.4 Heat Rate. Combined-cycle plant heat rates are based on the measured “new and
clean” performance of the River Road plant. This value was reduced slightly to account for
performance degradation during plant operation. Commercially available gas turbine
combined-cycle plants have not approached feasible thermodynamic efficiency limits and
continued improvement in heat rate is expected. A forecast of heat rate improvements was

developed based on historic efficiency improvements and theoretically achievable efficiency.

3.4.5 Financing. New capacity is assumed to be merchant plants that will not have

long-term power sales agreements when built. Developers are assumed to be nonregulated
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private generating companies. The “Unregulated Independent” financing assumptions of the
NWPPC C&R study were used. These were based on Fourth Power Plan values, modified as
described below. Estimated future general inflation rates were reduced from 3.5 percent
annually to 2.5 percent annually to reflect continuing low rates of general inflation.
Concurrently, nominal debt interest rate and return on equity assumptions were lowered by

1 percent, consistent with the reduction in the general inflation rate. The resulting annual
long-term debt interest and return on equity rates are 8.7 percent and 17.3 percent, respectively.
The discount rate was adjusted from the 8.5 percent annual “societal” rate (nominal) of the
Fourth Power Plan to the after-tax cost of capital rate of 9 percent annual (nominal). This
adjustment was made to simulate the expected actual cost of the developing merchant
powerplants. Finally, the Fourth Power Plan “Unregulated Independent” debt/equity ratio of

80/20 was adjusted to 70/30, consistent with recent merchant plant financing experience.

3.4.6 Other Assumptions. Fourth Power Plan assumptions were used for development

and construction lead times, plant availability, construction cash-flows and operating life.

3.5 Data Base Updates
Several very useful comments were received in the public workshops that led BPA to alter some
assumptions from the original AURORA data base. Updates to the original AURORA data base

drawn from these comments are described below.

35.1 Generating Resource Update. BPA added and deleted generating resources to be

consistent with the most current data available from the WSCC.
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3.5.2 Redefinition of Generation Capacity. BPA determined that the available capacity
IS a more accurate measure of resource capacity than nameplate capacity. Available capacity

was used in AURORA.

3.5.3 Western Systems Coordinating Council Boundary Definition. BPA added or
deleted generating resources from the data base to be consistent with the boundary definition of
the WSCC. These changes were made so that the loads and resources would be consistent and

based on the same source, the WSCC.

3.5.4 Non-Utility Generation. BPA updated non-utility generating resource data to include
individual plant-specific data. BPA also updated the overall amount of capacity for non-utility
generation. This change made the amount of generation and load consistent with WSCC

definitions.

355 Minimum Generation Percentage. AURORA models the costs for generating units
to start up and shutdown operations by defining some units as “committed units.” It also
assumes that all committed units can vary their generation levels to a minimum of 50 percent of
capacity. However, many units may actually have minimum generation levels different than

50 percent. BPA updated AURORA’s generic minimum generation percentages based on data
from the 1996 MCA and BPA'’s discussions with energy experts in the Pacific Northwest
(PNW). The following data list the percentage level of minimum generation for units by the fuel
type: coal - 40 percent, oil - 25 percent, natural gas - 40 percent, uranium - 90 percent, and

peaking fuel - 10 percent.

3.5.6 Transmission Capacities and Wheeling Rates. BPA incorporated recent data on
transmission capacities between areas. In addition to updating existing transmission capacity,

BPA adjusted transmission capacity in AURORA to account for the Alturas line from OR/WA to

WP-02-FS-BPA-04
Page 25



© 00 N o o b~ w NP

3 S N R N T N S o T S i S S e S R~ S~
o o0 A W N P O © o N o o M wWw Nk O

NV. BPA also corrected an inconsistency in transmission wheeling rates. BPA updated the

AURORA data base so that the rate in both directions between OR/WA and S. Cal. is consistent.

3.5.7 Curtailment Escalation Rates. BPA changed the escalation assumption so that the

curtailment prices remained constant in real dollars.

3.6 Other Assumptions

3.6.1 Hydroelectric Capacity and Generation. BPA used different sources of data to
determine monthly hydroelectric generation for the various AURORA areas. For the PNW
(OR/WA, ID, and MT), the hydroelectric regulation study that was used for the Loads and
Resources Study, WP-02-FS-BPA-01 was also used for the MCA. For the State of California,
California Energy Commission (CEC) data were used. For the remaining areas, WSCC data

were used. These raw data were reformatted for use suitable to AURORA.

The hydroelectric regulation study for the PNW consists of monthly generation levels for
50 different historical water years (1929-1978). For each month, BPA used the average of these
50 historical water years as the hydro generation forecast for AURORA. The average historical
hydroelectric generation data from CEC for the years 1980-1997 was used for California.

WSCC data was used for the rest of the areas.

3.6.2 Data for New Resources Other Than CCCTs

3.6.2.1  Single-Cycle Combustion Turbines. The data on single-cycle combustion turbines
(SCCT) were taken from NWPPC analysis completed subsequent to the NWPPC C&R study.

The models used in this analysis were the General Electric 7FA and the Siemans V84-3A.
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The capital costs of new SCCTs are based on equipment-only gas turbine generator set budgetary
prices appearing in the Gas Turbine World 1997 Handbook. Similar to the market adjustment
for CCCTs, the SCCT prices were increased by a 10 percent market equilibrium adjustment to

account for the weak market conditions of the past several years.

The equipment-only package prices are FOB factory and include a gas turbine, electric
generator, starting system, skid, enclosure, inlet filter, silencer, and controls. Not included are
substations, switchyards, gas supply facilities, backup fuel storage facilities, administrative
buildings, special emission controls, foundations, and civil works. Also not included are

engineering, construction management, and owner’s costs.

Gas Turbine World estimates that the balance-of-plant costs range from 60 to 100 percent of gas
turbine generator set costs. The balance-of-plant costs were assumed to average 80 percent of
equipment costs. Single-cycle units are assumed to be constructed in pairs to obtain additional
operating flexibility and economies of scale. The cost of a second unit is assumed to be

75 percent of a first unit. Net plant costs are reduced by 2.6 percent to account for inlet, exhaust
and auxiliary equipment losses. Because the cost assumptions are used for long-term market
studies, this “new and clean” net cost was reduced by an additional 2.7 percent to account for
average lifetime degradation in plant output. SCCT costs for the various AURORA areas were
estimated by adjusting the general capital cost values by regional price indices and by the effect

of elevation on plant output as described for CCCTs.

The cost of future plants is assumed to decline over time with improvements to design, materials,
and manufacturing. As with CCCTs, 30 percent of the forecast of future improvements in

combustion turbine specific power was used to estimate future costs.
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O&M cost estimates are based on estimates prepared for the Fourth Power Plan. These were
originally derived for a 1995 base-year using an Electric Power Research Institute model. All
routine and periodic O&M costs except fuel are included. The fixed O&M cost is adjusted by
the regional price and elevation indices and the technology improvement cost indices as
described earlier. The variable O&M cost is adjusted by the regional price and the technology
improvement cost indices. In addition, the EIA general O&M cost deescalator is applied through

2004 to both fixed and variable O&M costs.

SCCT heat rates are based on values reported in the Gas Turbine World 1997 Handbook. These
values were increased by 1.11 to convert from a lower fuel heating value to the higher heating
value basis. This heat rate was reduced for inlet, exhaust, and auxiliary losses. This “new and

clean” value was further reduced by 2.1 percent.

Retrofits to improve heat rate are assumed not to be installed during the operating life of a plant,
consistent with O&M cost estimates. However, plants delivered at future dates are assumed to
benefit from improved technology. The improvement factor is based on the forecast of CCCT

efficiency improvements.

Fourth Power Plan assumptions were used for the development and construction lead times, plant
availability, construction cash-flows and operating life of SCCT. Financing assumptions are the
same as those used for the CCCT. Fuel costs were the same as for combined-cycle gas plants

except that $0.60/MMBtu is added to the cost of gas to account for startup costs.

3.6.2.2 Coal-Fired Generation. Data for the fixed costs of new coal-fired generation was

taken from the NWPPC C&R study. Coal-fired electric power generating technologies
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considered for resource additions in the NWPPC C&R study included pulverized coal-fired

steam-electric plants and pressurized fluidized bed combustion powerplants.

The pulverized coal-fired steam-electric plant is a mature power generating technology in use
throughout the west. It is a pure steam cycle and has attained its maximum practical efficiency
without a substantial increase in steam pressure that would require the use of costly materials to
ensure reliable operation. The NWPPC C&R study assumed that it would be more economical
to develop alternative coal-fired technologies using combined gas turbine steam cycles than to
attempt to improve the efficiency of steam-electric technology. The representative coal

steam-electric technology used for the NWPPC C&R study is a single 300 MW unit.

A promising alternative to steam-electric coal technology is the pressurized fluidized bed
combustion (PFBC) combined-cycle powerplant. In this technology, coal is combusted in a
pressurized furnace. The pressurized gaseous products of combustion are cleaned and used to
power a gas turbine-generator. Steam, produced both in the pressurized boiler and from the hot
exhaust of the gas turbine, powers a steam turbine-generator. PFBC technology offers the
advantages of higher thermodynamic efficiency, more compact size, more opportunity for
factory fabrication and lower cost compliance with air emission criteria. PFBC technology is
being demonstrated at several plants and is expected to be commercially available in the first part
of the next decade. The representative PFBC technology used for the NWPPC C&R study is a

single 340 MW unit, available for commercial service in 2005.

The NWPPC C&R initial study runs suggested that new coal resources would not be selected in
the early years of the study. Once commercially available, PFBC plants would be economically

superior to conventional coal-fired steam powerplants. For this reason, conventional coal-fired
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powerplants were removed from the set of new resource options used for subsequent NWPPC

C&R study runs.

Overnight capital cost of conventional and advanced coal technologies are based on the values
developed for the Fourth Power Plan. These costs were $1,650/kilowatt (kW) for the
steam-electric unit and $1,340 for the PFBC unit, in 1995 dollars. Following selection of the
PFBC unit as the representative coal-fired technology, the costs were inflated to 1997 dollars,
resulting in a base capital cost of $1,395/kW. Capital costs for the various load and resource
areas were obtained by adjusting the general capital cost values by regional price indices.
AURORA area capital costs were further adjusted for the effects of elevation

(through atmospheric density) on plant output because the output of the open gas turbine cycle

used in a PFBC plant decreases with the ambient atmospheric density.

The technology improvement cost indices developed for CCCT plants were applied to the cost of

future PFBC coal plants.

O&M cost assumptions for coal technologies are based on those developed for the Fourth Power
Plan. The Fourth Power Plan estimates were inflated to 1997 dollars, and deescalated to the

1997 base year using the general annual O&M cost deescalator of 2.5 percent.

Both fixed and variable O&M were further deescalated through 2004 at 2.5 percent per year to
represent the expected effects of an increasingly competitive wholesale power market.
In addition, the technology improvement cost indices developed for CCCT plants were applied to

the fixed O&M costs of the PFBC plant.
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Heat rate assumptions for coal technologies are based on those developed for the Fourth Power
Plan. The heat rate of conventional coal plants is assumed to remain at current values, whereas
the heat rate of PFBC plants is assumed to improve over time from technological improvements.
The heat rate improvement factors developed for combined-cycle powerplants were used to
estimate the heat rate of future PFBC plants. The base year heat rate assumptions of
conventional and PFBC coal plants are 10,070 British Thermal Unit (Btu)/kilowatthour (kwWh)
and 8,425 Btu/kWh, respectively.

Fourth Power Plan assumptions were used for development and construction lead times, plant
availability, construction cash-flows, and operating life. Financing assumptions are the same as

those used for CCCTs. Coal prices are assumed to decline by 1 percent per year in real terms.

3.6.2.3  Wind Generation. Base year overnight capital costs for wind generation are drawn
from estimates prepared for the Fourth Power Plan. These were adjusted to 1997 dollars. In the
Fourth Power Plan, wind power development costs were estimated for 48 promising wind
resource areas in the Northwest, for which adequate wind resource and geographic data is
available. The Fourth Power Plan estimates include permitting, engineering, equipment,
erection, commissioning and overhead costs for wind farm development and interconnection to
the main grid. A representative development cost for each of the three types of wind resources
(Pacific Coast, Basin and Range, and High Plains) was obtained by averaging the development
cost estimates for several Northwest resource areas of the respective type. The resulting capital
cost estimates are adjusted by the regional price indices used elsewhere in the NWPPC C&R

study and technology improvement indices developed for the Fourth Power Plan.

The base year fixed and variable O&M costs are based on estimates prepared for the Fourth

Power Plan, adjusted to 1997 dollars, using the approach described for capital costs. The Fourth

WP-02-FS-BPA-04
Page 31



© 00 ~N o o b~ w NP

3 S N R N T N N N T T L T S O S S e S Y~ S~
o o A W N P O © O N oo o M W N P O

Power Plan operating costs include operating, maintenance and royalty costs, and transmission
costs to the main grid. Fixed and variable O&M costs are adjusted by the regional price and
technology improvement cost indices as described for capital cost. In addition, a general O&M
cost deescalator, based on EIA work, is applied through 2004. This deescalator represents the
anticipated general effect of competitive market pressures on powerplant operating costs.
Fourth Power Plan assumptions were used for development and construction lead times,

construction cash-flows and operating life.

3.6.3 Retirement Restrictions. In the original AURORA data base and in the

NWPPC C&R study, a constraint is placed on the amount of capacity that may be retired in any
one year. This assumption captures the effect that some generating units may receive regulatory
rate support and will not be retired even though they have become uneconomic. The basic
assumption for the constraint used in this analysis follows from the NWPPC C&R study.

The NWPPC C&R study assumed that the retirement restriction grew by 500 MW every other
year. BPA slightly modified this assumption so that the retirement restriction increases by

250 MW every vyear.

4. RESULTS

The complete results of the MCA are in terms of hourly prices. BPA’s energy rates are in
monthly blocks of HLH and LLH. The results of the MCA in these time period blocks are
shown in the following table and graph. An additional block, “Wgt Avg Energy,” is a weighted
average of HLH and LLH prices. The weights are 57 percent HLH and 43 percent LLH. This is

based on the amount of HLH and LLH in an average month.
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Table 7: Marginal Cost Estimates

Nominal $/MWH

Marginal Cost Analysis
Heavy L oad Hour Energ Light Load Hour Energ Wat Ava Eneray FY02-FY06 Ava.
FYOO @ FY02 FY03 FY04 FYO5 FY06 FYOO R4 FY02 FY03 FY04 FY05 FYOG_ @AY FY02 FY03 FY04 FY0O5 FY06| hih  Ilh  avg |
Oct | 24.1 28.7 30.6 329 32.8 32.6 33.3] 15.2 185 19.4 21.6 21.0 21.0 20.7] 20.3 24.3 25.8 28.0 27.7 27.6 27.9] 32.4 20.8 27.4
Nov | 31.5 37.0 40.3 42.9 43.4 440 46.2| 22.6 26.1 29.7 31.4 30.6 30.7 30.8| 27.6 32.3 35.8 37.9 37.9 38.3 39.6| 43.4 30.6 37.9
Dec | 32.1 36.6 40.5 43.6 454 457 46.3| 21.3 24.6 28.0 29.9 30.6 30.9 31.0( 274 31.4 35.1 37.7 39.0 39.3 39.7| 44.3 30.1 38.2
Jan | 35.3 37.4 39.1 39.1 38.7 40.3 41.4]| 20.6 20.4 24.7 25.6 24.3 24.4 24.6] 29.0 30.1 32.9 33.3 32.5 335 34.2| 39.7 24.7 33.3
Feb | 33.3 36.4 38.2 375 36.2 37.1 37.9| 18.8 214 23.6 235 23.0 22.2 228 27.1 299 319 315 30.5 30.7 31.4| 37.4 23.0 31.2
Mar | 28.6 33.0 34.8 33.4 329 33.0 33.4| 15.7 18.6 20.4 19.8 19.3 20.2 21.2| 23.0 26.8 28.6 27.6 27.1 27.5 28.1| 33.5 20.2 27.8
Apr | 21.0 23.6 25,5 26.0 26.8 27.2 27.4| 13.0 14.3 15.1 15.1 15.3 16.3 17.4| 17.6 19.6 21.0 21.3 21.9 225 23.1] 26.6 15.8 22.0
May | 19.8 22.6 24.6 254 26.3 27.6 28.0| 11.1 12.2 125 129 13.2 13.8 13.7( 16.1 18.1 19.4 20.0 20.7 21.6 21.9| 26.4 13.2 20.7
Jun | 242 26.4 285 31.0 33.2 351 36.6] 12.4 13.6 15.3 15,5 15,5 16.2 16.5| 19.2 20.9 22.9 244 25.6 27.0 27.9] 329 158 255
Jul 29.9 31.3 345 40.0 41.3 455 51.6| 21.1 26.9 28.2 26.0 24.4 24.7 24.7| 26.2 29.4 31.8 34.0 34.0 36.6 40.0{ 42.6 25.6 35.3
Aug | 36.6 44.3 49.5 525 56.5 66.3 74.6] 25.9 29.2 32.7 32.8 31.2 29.3 29.1| 32.0 37.8 42.2 44.0 45.6 50.4 55.0| 59.9 31.0 47.4
Sep | 325 38.0 419 428 434 469 49.7] 265 294 321 329 332 325 31.5[299 343 377 386 39.0 40.7 419|449 324 39.6
Avg ]29.1 329 35.7 37.3 38.1 40.1 42.2]18.7 21.3 23.5 23.9 235 235 23.7(246 27.9 30.4 315 31.8 33.0 34.2|38.7 23.6 32.2

Real $/IMWH

Marginal Cost Analysis

Heavy Load Hour Energy Light Load Hour Energ Wat Avg Energy FY02-FY06 Avg.

FY02 FY03 FY04 FY05 FY06 FYOO R4 FY02 FY03 FY04 FY05 FYOG_ @4 FYO2 FY03 FY04 FY05 FYO6| hih llh _ avg |

oct | 229 26.6 27.6 29.0 28.1 27.3 27.1| 144 17.1 17.5 19.1 18.0 17.6 16.8| 19.2 22,5 23.3 24.7 23.8 23.1 22.7| 27.8 17.8 235
Nov | 29.8 34.2 36.4 37.7 37.2 36.7 375|214 242 26.8 27.6 26.2 25.6 25.0( 26.2 29.9 32.3 334 325 319 32.1|37.1 26.2 324
Dec | 30.3 33.7 36.5 38.2 38.7 38.0 37.5|20.1 22.7 25.2 26.2 26.1 25.7 25.2| 26.0 29.0 31.6 33.0 33.3 32.7 32.2| 37.8 25.7 32.6
Jan | 33.3 345 35.2 34.2 33.0 334 33.5|19.4 188 22.2 22.4 20.7 20.2 19.9| 27.3 27.7 29.6 29.1 27.7 27.8 27.6] 33.9 21.1 284
Feb | 31.3 33.4 34.2 32.7 30.8 30.7 30.6| 17.7 19.7 21.2 20.5 19.5 18.4 184 25,5 27.5 28.6 275 26.0 25.4 25.4| 31.8 19.6 26.6
Mar | 26.9 30.3 31.1 29.1 27.9 27.2 26.9| 14.7 17.0 18.2 17.3 16.4 16.7 17.0( 21.6 24.6 25.6 24.0 22.9 22.7 22.6| 28.4 17.1 23.6
Apr | 19.7 21.6 22.8 22.6 22.7 224 22.0] 12.2 13.1 134 13.2 13.0 134 14.0| 16,5 179 18.8 18.5 18.5 186 18.6| 22.5 13.4 18.6
May | 18.5 20.6 21.9 22.0 22.2 22.7 225|104 11.1 11.2 11.2 11.2 11.3 11.0( 15.0 16.5 17.3 174 174 17.8 175 22.2 11.2 175
Jun | 22.6 24.1 254 269 28.0 28.8 29.3] 11.6 124 13.6 13.5 13.1 13.3 13.2| 179 19.0 20.3 21.1 21.6 22.1 22.4]|27.7 13.3 215
Jul 27.9 285 30.6 345 34.8 37.3 41.2|19.7 245 25.1 225 20.5 20.3 19.8| 24.4 26.8 28.2 29.3 28.6 29.9 32.0] 35.7 21.6 29.6
Aug | 34.0 40.2 43.8 45.2 47.4 54.1 59.5| 24.1 26.5 28.9 28.2 26.2 23.9 23.2| 29.7 34.3 37.4 379 38.2 41.2 43.9] 50.0 26.1 39.7
Sep | 30.2 344 37.0 36.8 36.3 383 395|246 266 283 283 278 265 251278 31.1 333 332 327 332 33.3| 37.6 27.2 33.1
Avg |27.3 30.2 31.9 324 32.2 33.1 33.9|17.5 19,5 21.0 20.8 19.9 19.4 10.0{23.1 25.6 27.2 27.4 26.9 27.2 27.5|32.7 20.0 27.3

These prices follow the pattern suggested in “Pricing Structure” where prices increase in the

near-term, then generally level out near the price of new resources. In real terms, the weighted

average price increases from $23.1/MWh in Fiscal Year (FY) 2000 to $27.2/MWh in FY 2002.

From FY 2002 to FY 2006 the weighted average price varies between $26.9/MWh
$27.5/MWh.

and

Economic theory also suggests that until prices reach a long-term equilibrium, prices in relatively

capacity constrained times (peak months and HLH) will grow relatively faster. This pricing
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pattern is seen in the marginal cost forecast. Prices in the peak pricing month (August) grow

more rapidly than prices in other months, and HLH prices increase more than LLH prices.

These marginal cost estimates are used to help shape the monthly and daily pattern of rates.

Therefore, the monthly shape of HLH and LLH marginal costs during the rate case period are

especially relevant. A summary of the monthly shape of the marginal costs is detailed in the

figures below.

Graph 7: Marginal Cost Estimates
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Mid-Columbia Hub Prices, Rate Period Average
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Mid-Columbia Hub Prices, Rate Period Average

5 Oct | Nov | Dec | Jan | Feb Mar | Apr | May | Jun Jul Aug | Sep | Avg
—t—p|h | 27.8 | 37.1 | 37.8 | 339 | 31.8 | 284 | 225 | 222 | 27.7 | 357 | 50.0 | 37.6 | 32.7
—o—Avg| 235 | 324 | 326 | 284 | 266 | 236 | 186 | 175 | 215 | 296 | 39.7 | 33.1 | 27.3
— —|lh | 17.8 | 26.2 | 257 | 21.1 | 196 | 17.1 | 134 | 11.2 | 133 | 216 | 26.1 | 27.2 | 20.0
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